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Abstract 
The government of British Columbia and Spectra Energy are partnering to explore the potential 
of CCS in British Columbia to reduce emissions from Spectra Energy’s Fort Nelson gas 
processing facility.  This work is part of a site characterization study, which aims to assess the 
viability of such a project in the province.  Dissolution rates of Keg River carbonates immersed 
in Keg River brines collected in May 2009 were measured. Experimental conditions simulating 
injection and formation conditions were CO2 at 50 bar and 105°C. Results are higher but within 
an order of magnitude of literature values at similar pressure temperature conditions with values 
of Log R up to -8.45 mol⋅cm-2⋅s-1.  Experiments showed a strong effect of rock and fluid 
composition on reaction kinetics.  The same experimental materials and conditions but using a 
synthetic 0.1M NaCl brine produced elevated reaction rates, potentially due to a lack of 
compositional inhibition that are caused by more complex mixtures. A full reactive transport 
simulation using these results would help constrain the spatial extent dissolution throughout the 
saline formation being considered for injection.   
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1. Introduction 
 
 Fossil fuel emissions have been tightly coupled to global Gross Domestic Product (GDP) since the 
beginning of the industrial revolution [1] – the current energy-development paradigm.  Carbon Capture and Storage 
(CCS) is one part of an emerging energy portfolio that will play a significant role in de-carbonizing energy intensive 
economies to shift away from this paradigm.  Spectra Energy® and the government of British Columbia are 
exploring the potential for CCS in the province’s growing fossil fuel sector.  Spectra Energy’s Fort Nelson sour gas 
processing facility is the province’s largest point source CO2 emitter and this makes it an ideal location to utilize 
CCS technology [2].  Gas processing facilities are one of the most economical areas of industry to begin deployment 
of CCS due to lower capture costs than those of power plants.  This project, if fully operational, would inject over 
one million tonnes of a mixture of CO2 and H2S annually, reducing British Columbia’s CO2 emissions by between 
1.5 and 3 percent.  Regional geology has good potential to act as storage reservoirs since it meets the following 
criteria: tectonically stable, regional fluid flow, well developed cap formations, and sufficient porosity and 
permeability that can be utilized at economic injection rates [3].  Along with the suitable physical parameters, 
sufficient technical knowledge of this area exists and can be capitalized on. For example, there are already 
approximately 0.13 Mtonnes/yr of a CO2 - H2S mixture injected into 12 other wells in the area and they are 
predominantly carbonate reservoirs.   
 
 While the Fort Nelson area has been shown to have potential for CO2 storage, detailed storage site analysis 
must be carried out for target formations before injection can begin.  The reservoirs under consideration are deep 
saline formations composed of carbonates deposited in the middle Devonian.  Knowledge of how these systems will 
behave geochemically during injection will help to constrain storage capacity and injectivity as well risks associated 
with leakage.  Although carbonate chemistry is a mature field, little has been done of high PT dissolution kinetics 
during CO2 injection and due to formational variations site-specific research is required.  Experimental work has 
shown that both pressure and temperature have strong effects on the rates of carbonate dissolution [4], however the 
majority of studies lie well outside pressure and temperature ranges relevant for the geologic storage of CO2.  
Furthermore, the majority of studies do not encompass the large compositional variation of natural systems. The 
formation lithology [4] and fluid composition [5] have been shown to exert strong controls on dissolution rates of 
carbonates.  Along with these geochemical knowledge gaps, there is currently no standard methodology for 
measuring reaction rates. Many results are at least in part dependant on experimental set up. Due to this situation, 
site-specific investigations and experiments are necessary to obtain thermo-kinetic data in order to accurately predict 
the evolution of a natural reservoir in response to CO2 injection. 
 
2. Geological Setting 
 
Figure 1.  (left) Map of British Columbia outlining the proposed storage site, (right) Fort Nelson stratigraphy above 
and below target storage reservoirs.  
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 The storage reservoirs under consideration for injection lie to the southwest of Ft. Nelson and over two 
kilometers beneath the subsurface (Figure 1) where pressures have been measured close to 200 bars and 
temperatures over 100°C (test well field data).  At these pressures and temperatures, injected CO2 would reside as a 
super critical fluid with a density of nearly 500 kg/m3 [6]. The formation under investigation in this study is the Keg 
River formation, which is a member of the Elk Point subgroup along with the overlying Sulfur Point and Slave Point 
carbonates.  The geologic history of these rocks has provided them with their current characteristics, which are 
considered attractive for CO2 storage purposes.  Nearly 400 million years ago thick carbonate reefs were deposited 
in a shallow marine setting.  Three distinct growth stages occurred all within the middle Devonian [7] with the 
termination of each interval producing a fine grained aquitard of variable thickness [3].  All three carbonate 
formations are members of the Elkpoint subgroup and were post depositionally dolomitized by hydrothermal fluids 
sourced from a mixture of residual evaporitic brines and seawater [8].  This dolomitization is believed to have 
occurred during Laramide related tectonic movement where faults and fractures that developed acted as transport 
conduits for hydrothermal fluids [8].  Dolomitization is beneficial to CCS as it increases the porosity of the parent 
rock allowing more CO2 to be stored.  The porosity and permeability of the Keg River formation has been measured 
from cores taken east of the proposed injection site for this work in the Zama area. It has porosity of between 5 and 
7 percent and permeabilities up to 125 md [9]. This package of carbonates is capped by both the muskeg evaporates 
and Ft. Simpson shale, which provide a 500m thick seal between the storage reservoir and the surface.   
  
3. Materials and Methods 
 
Figure 2: (top) SEM images of a dolomite grain, (bottom) XRD results. Analyzed at the University of British 
Columbia 
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 In May of 2009 both rock and water samples were collected from a test well drilled to explore for potential 
storage reservoirs.  Rock samples were collected as drill chips, which were rinsed with distilled water and dried on-
site, and then transferred to the University of Victoria where samples were crushed in a ring mill.  Crushed samples 
were sieved and the sub 75 μm fraction was removed, cleaned with deioniozed MilliQ® (18.2 MΩ) water and dried 
at 100°C for 24 hours and then re-weighed before experimenting (Figure 2 shows a grain of this material and the 
XRD based compositional results).  Rock composition was determined by Rietveld X-ray diffraction (XRD), which 
produced the pattern seen in figure 2. and summarized in table 1.   
 
Mineral Dolomite Calcite Quartz Pyrite 
Wt% 93.0 5.1 1.9 0.1 
Table 1: X-ray diffraction Reitveld analysis results given as wt% 
  
 The Surface area of rock samples were determined by measuring edge lengths from 28 images taken by a 
Hitachi® Scanning Electron Microscope (SEM), which were extrapolated to surface area using equations 1-5 where  
geometric specific surface area (AGEO) is calculated using edge lengths (l), density (ρ), surface area per gram x (Ax), 
mass fraction (mf) .  The surface area was determined to be approximately 1.394 m2/g of sample.  These values are 
higher than some other reported values [10], however this may be due to the sample preparation as a hydrochloric 
acid rinse was avoided in this study to prevent preferential dissolution of calcite versus dolomite in finer size 
fractions.  
 
 
(1)  
 
 
(2)  
 
 
(3)  
 
 
(4)   
 
(5)  
 
 
 
Element Li Na Mg K Ca Cr Mn Fe 
Concentraion/ppm 15.06 4987.65 18.61 587.31 913.27 0.28 0.54 22.98 
Ni Cu Zn Rb Sr Cs Ba SO4 Cl 
0.74 0.18 6.78 1.95 81.80 0.92 3.14 510 7120 
 
Table 2: Keg River Brine fluid chemistry measured by IC (Na, Mg, Li, K, Ca), ICPMS (Cr, Mn, Fe, Ni, Cu, Zn, Rb, 
Sr, Cs, Ba) and Spectrophotometry (SO4, Cl) – results still under evaluation due to field conditions. 
 
 Water samples were also collected on site, during a drill stem test (DST) where the target formation is 
isolated with a set of packers placed above and below the reservoir.  A five litre aliquot was taken and then 
measured for pH, conductivity, alkalinity, temperature, [Ca], [Mg], and [Cl].  Samples were then transported to the 
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University of Victoria and stored at 2°C.  Water samples were measured for major cations by ion chromatography 
(IC) and trace metals by inductively coupled plasma mass spectrometry (ICPMS).  
 
 
Figure 3:  Experimental apparatus (right), and diagram (left), (1) pH and conductivity meter, (2) filtration 0.2μm and 
(3) IC, ICPMS and Spectrophotometry.   
 
 The experimental set up and apparatus for this work is outlined in figure 3. where a 600mL Parr 
Instruments® non-stirred T-316 stainless steel batch reactor was used to house a model aquifer with a water-rock 
ratio of 40:1 (500g brine: 12.5 g rock).  Rock samples were placed at the base of the reactor, fluid was then added 
and the reactor was abruptly sealed and the heating mantle was turned on.  Upon reaching the target temperature 
CO2 was injected.  Samples were taken both before adding water to rock and immediately after CO2 injection to 
measure an appropriate baseline for trials. Experiments were conducted at temperatures of 50°C, 105°C and 200°C 
and pressures of 1, 10, 50, and 75 bars.  Initial experiments were left running out to 10000 min and subsequent 
experiments were scaled back to 1000 min. Temperature was moderated using a Parr temperature controller, 
thermocouple and heating mantle, and pressure was moderated manually using a CO2 cylinder, valve and pressure 
gauge.  The reactor was agitated every hour to ensure reactor homogeneity.  Samples were taken at the base of the 
reactor (Figure 3) in 10mL aliquots at varying intervals dependant upon overall experiment lengths. Upon extraction 
samples were immediately measured for pH and conductivity, and then filtered through a 0.2μm membrane.  
Samples were then diluted 100 times with deioniozed MilliQ® (18.2 MΩ) water and split into two fractions one of 
which was preserved with nitric acid.  Samples were then measured in an IC and ICPMS, for cations, and anions by 
spectrophotometry.   
 
 Reaction rates were tracked by changes in divalent cation abundances over time namely Ca++ due to its 
high concentration.  Calculations were based on the general rate equation (6) where t(s) is the elapsed time, [M2+]tot 
(ppm) is the amount of cation released and s (cm2) is the surface area of the rock powder [4].   
 
(6) 
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4. Results 
 
Figure 4. pH and [Ca] over time for duplicate experiments at 105 degrees C and 50 bars.  CO2 injection at time = 0 
 
 Upon CO2 injection the pH abruptly dropped from between 6.4 – 6.2 to between 5.8 and 5.4.  This increase 
in [H+] is believed to protonate surface carbonate groups [4] ultimately resulting in a release of Ca++ from the Keg 
River carbonates (Figure 4).  This was expected as dissolved CO2 reacts with water to produce carbonic acid.  The 
delay in Ca++ release in response to the drop in pH is attributed to the kinetics of hydration of metal centers on the 
mineral surfaces [4].   Transport processes have been shown to have a strong control on dissolution rates particularly 
for calcite and to a smaller degree dolomite [4].  Since the Keg River formation has been demonstrated to consist of 
over five percent calcite transport processes must be investigated in this system.  Since the reactor was manually 
agitated at regular (60 min) intervals out to nearly 5000 minutes and that there is no increase in [Ca++] after t=800, 
indicates that the solution did indeed reach equilibrium.  Results from this work are comparable to those of other 
studies [4] (Table 3).  Assuming independent behaviour of both calcite and dolomite, this study found to be well 
within an order of magnitude for the rate of Ca++ release.  Results cannot directly be compared due to the 
differences in pH and temperature, however the similarity in results does give confidence in this work.   
 
 The increase in reaction rate from the Keg River brine to the 0.1M NaCl synthetic brine, suggests that there 
is some dissolution inhibition due to the formation water chemistry.  This is consistent with previous work, which 
has found that solutes such as Mg++ and other metals can have significant impacts on dissolution rates [5],[11].   
This inhibition effect can only postulated as to which ions are contributing to the reduction in dissolution effects 
until further experiments are conducted isolation individual ions and measuring their effects.  
 
  Rock Fluid pH Temp 
/C 
P /Bar Log R mol×cm-
2×s-1 
[1] Keg River Keg River 5.4-6.2 105 50 -8.53 
[2] Keg River Keg River 5.7-6.4 105 50 -8.45 
[3] Keg River 0.1M NaCl 5.8-6 105 50 -8.39 
Pokrovsky  2009 Calcite 0.1M NaCl 5 60 50 -7.5 
Pokrovsky 2009 Dolomite 0.1M NaCl 4.8-5.2 100 50 -10 
Pokrovsky 2009 (0.93)Dolomite/ 0.1M NaCl 4.8-5.2 60/100 50 -8.78 
Table 3: Results of experiments at compared to literature values [4].  
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5. Discussion 
 
 This work attempted to measure the dissolution kinetics of a potential CO2 storage reservoir in response to 
CO2 injection.  Results from this work are in reasonable agreement with other reported values. Differences are likely 
due to differing composition of reactants with this experiment using real world materials (rocks plus brines obtained 
from a test well). These results suggest that the experiments are valid and that results can be applied to the Keg 
River formation’s response to CO2 injection. Results from this work suggest that reactions occurring along the CO2 
brine interface will occur quite rapidly and should be taken into account particularly during the injection period.  
The initial drop in pH and subsequent attack on carbonate surfaces causes an increase in porosity and permeability, 
however re-precipitate at a later stage due to changing conditions has not yet been investigated and could occur 
which may seal the aquifer upon injection completion, or form a barrier during injection. Further work should aim to 
extrapolate to the aquifer scale by measuring the reactive surface area of the formation through drill core and 
calculations of the expected amount of dissolution.     
 
 Results from this work could be coupled to a full reactive transport simulation to predict the changes in 
porosity and permeability that would occur as a result of CO2 injection if the simulation were populated with robust 
thermo-kinetic data.  Current results suggest that the Keg River formation can expect up to 0.02g of material to 
dissolve per m2 of reactive surface area.  This work gives further evidence that both solution composition and rock 
composition exert strong controls on dissolution rates, and that in this case other reported values could result in an 
under estimation of reaction rates by a factor of two (Table 3).  The difference between this work and other reported 
values [4] resulting from experiments using end member materials (NaCl synthetic brines, and pure minerals) 
suggests that interactions for natural mineral mixtures and complex brines should be investigated, as rates may differ 
and lead to different scenarios.  Along with investigations on the solid phase, further work should be conducted to 
investigate the role of individual ions and their impact on dissolution rates of minerals in potential CO2 storage 
reservoirs.   
 
6. Conclusion 
  
 Results from this study conclude that the Keg River formation will respond to CO2 injection by first 
dissolving at a rate of Ca++ release of Log R mol⋅cm-2⋅s-1 between -8.53 and -8.45.  This will result in a reduction in 
rock mass of approximately 0.02g/m2 of reactive surface (roughly 2% of mass of the material available to react).  
These results are similar to other reported values but likely differ due to the natural composition of the reactants. 
Fluid composition and rock composition exerted strong controls on dissolution rates, however the specific influence 
of individual species will have to be the subject of future studies.  These results increase the viability for CO2 
storage in Northeast British Columbia.  The next phase of work should try to constrain reactions in time and space 
throughout the target formation, which may be achieved through use of a properly equipped reactive transport 
simulation. 
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